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Abstract 
This paper estimates consumer savings, CO2 emissions reductions, and price effects from 
increasing demand response (DR) dispatch in the Midcontinent Independent System Operator 
(MISO) electricity market. To quantify market effects, we develop a bottom-up, dynamic supply 
and demand model to explore a range of DR deployment scenarios. The study is motivated by 
the existence of regulatory and market rule barriers to market-based deployment of DR 
resources in the MISO region. We show annual consumer savings from increased market-
based DR can vary from $1.5 million to $18.5 million under typical peak operating conditions, 
depending on the amount of DR resources available for market dispatch and the frequency of 
deployment. Consumer savings and other market effects increase exponentially during atypical 
periods with high prices. Additionally, we find that DR deployment often reduces CO2 emissions. 
However, the magnitude of emissions reductions varies depending on the emissions content of 
marginal generation at the time and location of deployment as well as the magnitude of the 
energy shifting from DR. The results of this study suggest that regulators and other stakeholders 
should focus policy efforts to reducing regulatory barriers to DR deployment, particularly in 
locations that experience high price spikes, to improve market efficiency and achieve cost 
savings for consumers. 

1. Introduction
A significant challenge associated with the development of wholesale electricity markets is the 
lack of demand-side participation. In most electricity markets, consumers face static prices that 
often do not change over the course of days, weeks, and months, while the costs to supply 
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electricity change significantly across these time scales. The result is a mismatch between real-
time market conditions and retail prices that causes over-consumption during high-price periods 
and under-consumption during low-price periods (Schweppe, Caramanis, Tabors, & Bohn, 
1988; Faruqui & George, 2002). This inefficiency increases spot price volatility, makes it more 
difficult for operators to manage physical constraints, and increases vulnerability to the exercise 
of market power (Bushnell, Hobbs & Wolak, 2009). In the MISO region there is a significant 
potential for electricity demand response that is largely unmet (Faruqui, Hajos, Hledik, & Newell, 
2009). Barriers in the region include state regulatory hesitancy and wholesale market rules 
designed for large centralized power generation (Cappers, MacDonald, Goldman, & Ma, 2013). 
These regulatory barriers keep economic demand response resources out of the wholesale 
energy market, creating an inefficiency that leads to artificially high prices. 

This paper quantifies consumer savings and other impacts of increasing economic demand 
response (DR) dispatch in MISO energy markets using a bottom-up hourly supply and demand 
model for the MISO wholesale electricity market. We use historic data to simulate market effects 
from dispatching a range of existing DR resources that are currently out of the market. Our 
study is not the first to show energy market benefits from increased DR in electricity markets 
(e.g. see Faruqui, Hledik, Newell, & Pfeifenberger, 2007; Walawalkar, Blumsack, Apt, & 
Fernands, 2007; Braithwait & Eakin, 2002; Aalami, Moghaddam, & Yousefi, 2009), but this is 
the first study to estimate these benefits for the MISO market, the largest power system in the 
United States by geography and one of the largest electricity markets in the world. Furthermore, 
as discussed in Cappers et al. (2013), DR in the MISO market is shaped by a unique set of 
state-jurisdictional regulatory and market rule challenges that do not exist in other competitive 
wholesale markets, warranting a region-specific study.  

Unlike past DR studies, we, 1) develop marginal cost estimates for utility DR programs using 
data from the Energy Information Administration (EIA), 2) model a range of unique scenarios 
that explore alternative DR deployment levels and energy rebound effects,1 and 3) estimate the 
carbon emissions impacts of each DR deployment scenario.  

The rest of this paper is organized as follows. In section 2 we define and classify DR for the 
purposes of our analysis, and motivate our research design and modeling strategy. In section 3 
we describe the methodology and data used for the analysis. In section 4 we present our 
results, and in section 5 we conclude with a summary of our results. Our modeling shows how 
increasing economic DR2 can generate consumer savings by lowering prices and reduce 
emissions under typical peak operating conditions. We also show how the financial impacts of 
DR can increase exponentially if deployed during critical peak operating conditions. 

 

                                                

1 Rebound effects occur when a DR reduction is accompanied by a corresponding increase in energy 
consumption occurring before and/or after the events. 

2 The term “economic DR” in this context refers to a DR resource that can be dispatched at a marginal 
cost lower than the market clearing price. 
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2. Motivation 
2.1. Background 

Demand response in electricity markets encompasses a range of market participant activities, 
programs, and technologies. DR can be classified into two broad categories, according to 
definitions adopted by the U.S. Department of Energy, the Federal Energy Regulatory 
Commission (FERC), and numerous academic articles (U.S. Department of Energy, 2006; U.S. 
Federal Energy Regulatory Commission 2009; Albadi & El-Saadany, 2008). The first category of 
DR is defined as “changes in electricity usage by end-use customers from their normal 
consumption patterns in response to changes in price.” These types of demand response 
resources are referred to as price-based programs, and encompass electricity price structures 
designed to change over time including time-of-use (TOU), critical-peak-pricing (CPP), and real-
time-pricing (RTP) programs. The second category is defined as “incentive payments designed 
to induce lower electricity use at times of high wholesale market prices or when system 
reliability is in jeopardy.” These resources are referred to as incentive-based programs and 
include direct load control (DLC) and interruptible/curtailable (I/C) load programs.  

MISO offers both supply-side and demand-side demand response mechanisms in its markets. 
On the demand-side, purchasers may submit Price Sensitive Demand Bids to purchase energy 
or not based on price. On the supply-side, demand response can be entered into MISO’s 
Resource Adequacy construct as a Capacity Resource or as a Load Modifying Resource (LMR). 
DR can also participate in the Energy and Operating Reserves Markets under the Demand 
Response Resource (DRR) asset classification. The MISO region of the United States 
historically has had a higher proportion of DR relative to total load compared to other regions in 
the United States for several important reasons. First, some states in the region require utilities 
to invest a percentage or two of revenue from retail sales in DR programs. Second, utilities in 
the region have historically had favorable resource adequacy rules that allow load management 
to be counted towards meeting reserve requirements, generating savings or revenues from the 
DR even if it is never deployed. Third, the customer base in this region has a significant fraction 
of industrial load that is amenable to interruption (Cappers, Goldman, & Kathan, 2009).  

Despite a large portion of DR in the MISO region, the resources are deployed at a much lower 
frequency than the rest of the country. For example, in 2015 only 22% of the available DR 
resources in the MISO market were deployed, compared to 42% in the rest of the country (U.S. 
Energy Information Administration, 2016). In California, a particularly active market for DR, 64% 
of available resources were deployed. Table 1 summarizes DR resources by market region in 
2015, the most recent year available at the time of publication. Each observation (n) in the 
underlying data represents a utility, and the dataset includes all utilities in the U.S. with DR 
resources. More details on the data cleaning process for this EIA dataset are provided in 
Appendix 1. 

Moreover, during the few occasions when DR resources in the MISO are deployed, they are 
often done so by individual utilities outside of the MISO market, and show up to the market 
operator as unexpected load reductions. In fact, since the launch of MISO’s market in 2005, 
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MISO has only deployed its registered DR, under the Load Modifying Resources (LMR) asset 
classification, twice. On April 4th, 2017 during a Maximum Generation Event triggered by 
unseasonably high temperatures during a shoulder season, when generators typically schedule 
planned maintenance outages, MISO called on just over 700 MWs of LMRs in the southern 
portion of its footprint (MISO, 2017). The only other deployment in MISO’s history we have 
record of was in 2006 (Potomac Economics, 2017). 

  Total Mean Median Std Dev Min Max 
 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Table 1 Demand response resources (MW) by market. 'Potential' refers to DR that was available for 
deployment in 2015, while 'actual' refers to DR deployed at least one time in 2015. 

The reasons why demand response is deployed outside of the market are twofold. First, the 
MISO market rules were designed for a system with large, centralized power generators which 
result in barriers preventing DR resource participation. MISO rules for economic Demand 
Response Resources require a minimum size threshold of at least 1 megawatt to participate in 

United States, 
n=396       
Potential 32,874.6  83.0  12.9  272.1  0.1  4,085.8  
Actual 13,036.0  32.9  4.0  149.7  0.0  2,725.0  
MISO, n=97       
Potential 4,355.2  44.9  8.3  102.4  0.1  581.8  
Actual 975.3  10.1  2.5  31.9  0.0  280.0  
CAISO, n=9       
Potential 4,786.9  531.9  14.1  1,344.7  0.1  4,085.8  
Actual 3,081.5  342.4  0.1  898.0  0.0  2,725.0  
ERCOT, n=11       
Potential 336.3  30.6  11.8  38.2  1.2  115.5  
Actual 193.6  17.6  5.0  25.6  0.0  74.2  
ISONE, n=9       
Potential 264.9  29.4  7.2  54.4  2.0  168.0  
Actual 194.1  21.6  6.0  38.1  0.0  113.0  
NYISO, n=8       
Potential 522.5  65.3  21.6  89.3  0.3  233.3  
Actual 45.4  5.7  0.6  10.6  0.0  29.5  
PJM, n=49       
Potential 4,606.5  94.0  37.2  197.9  0.1  1,305.0  
Actual 1,723.3  35.2  6.8  63.9  0.0  350.7  
SPP, n=57       
Potential 1,672.5  29.3  10.1  49.8  0.3  251.2  
Actual 636.5  11.2  4.5  17.0  0.0  75.4  
Non-market, n=156       
Potential 16,329.8  104.7  14.8  246.2  0.2  1,667.4  
Actual 6,186.3  39.7  6.9  85.0  0.0  489.0  



  

   5 

 

the market3 (MISO Tariff, 2017; MISO BPM, 2016). Additionally, MISO’s rules make it difficult to 
aggregate smaller DR resources to meet the minimum size threshold.4. This prevents many 
demand response resources from entering the market. Neighboring markets to the east that 
have more active DR participation, including PJM and ISO New England, have corresponding 
minimum size thresholds of 0.1MW and do allow aggregation of resources across pricing nodes. 
The second reason for low DR participation in MISO is state regulatory resistance to giving up 
control of regulated DR assets to the free-market. As a result, regulators often will not let utilities 
enter their DR assets into the wholesale markets, and most states in region have banned 
commercial activity by third party DR aggregators (Cappers et al. 2013). 

2.2. Treatment of DR in wholesale markets 

Price-based DR programs are preferable from an economic theory perspective. However, 
regulatory and technological barriers have caused most historical DR investment to go into 
incentive-based programs. Price-based DR are theoretically preferable because they allow 
electricity consumers to react to short-term changes in prices according to their own 
preferences in a way that leads to optimal market clearing prices and quantities and eliminates 
inefficiencies from static retail rates. This is graphically shown in Figure 1: consumers not on a 
price-based DR program (D1) see a fixed retail rate (PR) and will overconsume and create 
deadweight loss (DWL) when the wholesale price (PW) exceeds PR. Price-responsive demand 
reflects consumers’ true demand response when exposed to varying prices, is represented as 
the sloped demand curve D2. When this occurs, the quantity demanded and wholesale price 
drop to the efficient levels QDR and PDR. With a sloped demand curve reflective of aggregate 
consumer preferences, the market clearing prices and quantities will adjust optimally to short-
term shifts (Mas-Colell, Whinston, & Green, 1995). In a wholesale electricity market, shifts in the 
supply curve occur from changes in system conditions or other factors that affect electricity 
supply. 

                                                
3 In order for any resource to set prices in the market it must be both eligible to provide specific market 
services and be included in MISO’s Network Model. Demand Response Resources (DRR) – Type II must 
be at least 1 MW to be included in the Network Model. DRR-Type I do not have this same requirement, 
but are only modelled as load in the Network Model and thus are not able to set market clearing prices. 
Instead they may only participate as a price taker.  

4 For DR providing energy and reserve services, MISO prevents aggregation across local balancing 
authority areas, and for DR providing regulation service, MISO presents aggregation across economic 
pricing nodes. 
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Figure 1 Demand curve rotating from non-price-responsive (𝐷𝐷1) to price-responsive (𝐷𝐷2).  

Unlike price-based DR, incentive-based programs involve payments to customers in exchange 
for energy reductions. Current federal regulations in the United States require these DR 
programs to be compensated at wholesale market rates, treating electricity reductions the same 
as electricity produced (U.S. Federal Energy Regulatory Commission, 2011). Economists are 
split on the effectiveness of this approach. Some point out payments for energy reductions 
inflates price signals because customers are ‘double-compensated’ for their reduction, as DR 
participants benefit both from the savings from not purchasing electricity and the wholesale 
market payment (Hogan, 2011). The overcompensation produces a revenue shortfall which 
market operators must reconcile, since there is a shortage of demand relative to resources 
(both generation and DR) clearing the market. The revenue shortfall is typically socialized as a 
charge applied proportionately to all market participants. This extra cost is counteracted by 
federal regulations that require net benefits (including price reductions and reliability benefits) of 
incentive-based DR to exceed this extra cost prior to deploying incentive-based DR.  

Proponents of incentive-based DR in wholesale markets argue it is a second-best solution that, 
in the absence of price-responsive demand, moves market prices closer to the efficient level. 
Failing to deploy DR resources when the market clearing price exceeds the marginal cost of 
demand reduction results in a market inefficiency (Kahn, 2010). This is the case in the MISO 
market, and the inefficiencies create inefficiently high prices and extra costs for consumers.  

Most incentive-based DR programs in the U.S. were developed starting in the 1980’s due to a 
significant increase in air-conditioning load, which increased the need for peaking capacity 
relative to non-peak. Many regulated utilities invested in incentive-based DR as a lower-cost 
alternative to peaking generators (Lovins, 1985). At the time, metering technology required to 
implement price-based DR was not available. After significant incentive-based DR investments 
in the 1980’s and 1990’s, the FERC assumed jurisdiction via a congressional mandate and 
began working to remove barriers to DR participation in wholesale markets (Wellinghoff & 



  

   7 

 

Morenoff, 2007). Now, advanced metering technology to enable price-based DR is available, 
however the prevalence of price response demand remains small primarily due to an 
unwillingness by state regulators to expose retail customers to uncertain prices (Bushnell et al. 
2009).  

The effects of incentive-based DR in wholesale markets are conceptually shown in Figure 2. 
Deploying DR reduces demand, represented by the shift from D1 to D2, which lowers the price 
from P1 to PDR. Demand is assumed inelastic because consumers do not see a change in retail 
electricity prices, but instead receive out-of-market compensation for their demand reduction. 
Because the DR consumers are compensated at the new market clearing price, there are Q1 
resources receiving PDR, but only QDR consumers purchasing electricity. This causes a market-
wide revenue shortfall equal to PDR  ×  (𝑄𝑄1 − 𝑄𝑄𝐷𝐷𝐷𝐷). Because Q1 resources receive market 
payments and the revenue shortfall is recouped out of market, we can equivalently model 
deployment of incentive-based DR as an increase in supply. Figure 3 shows how this approach 
leads to the same market clearing price of PDR and supply quantity Q1. The grey box represents 
the consumer savings from DR relative to no DR, and is equal to the price reduction times the 
quantity of electricity purchased. 

 

Figure 2 Market effects of incentive-based DR deployment. 
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Figure 3 Modeling incentive-based DR deployment as a rightward shift in supply. 

Despite the benefits of incentive-based DR, some experts worry that focusing on this type of DR 
will crowd out true price response. Secondly, they point out incentive-based DR consumers may 
game the market and inflate pre-reduction consumption baselines if proper rules are not 
implemented (Bushnell et al. 2009, Chao & Depillis, 2013). The first concern of incentive-based 
DR crowding out price-based DR is a hypothetical issue, but we have seen no direct evidence 
tying a failed price-based DR program to existence of an incentive-based DR program. The 
second concern about improper baselines can be mitigated by properly structured market rules, 
as outlined by Chao & Depillis (2013). 

Recent research analyzed 117 studies on DR modeling, and concluded “there is a clear lack of 
models addressing incentive-based DR programs. This is somewhat astonishing given the fact 
that, in the U.S., DLC and I/C programs are applied more frequently than TOU or RTP 
programs. The majority of studies focus on price-based programs” (Boßmann & Eser, 2016). 
Furthermore, there is currently a large fleet of underutilized incentive-based DR assets in the 
MISO region that would generate cost savings if integrated into wholesale markets. In this 
study, we analyze market effects of improving dispatch of incentive-based DR in the MISO 
market because, 1) there is a much bigger penetration of incentive-based DR currently in 
existence relative to price-based DR, 2) these resources are underutilized and could generate 
significant benefits if properly integrated into wholesale markets, especially in the Midcontinent 
market and 3) there is a proportionate lack of studies focused on incentive-based DR. 
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3. Methodology  
3.1. Overview 

The purpose of our modeling exercise is to estimate consumer savings, emissions impacts, and 
price effects from increasing DR dispatch in the MISO energy market. We do this for a range of 
scenarios that explore differences in DR dispatch amounts, frequencies, and energy rebound 
effects. Our modeling approach consists of a dynamic supply and demand model that vary 
hourly, where the market clearing prices and quantities are determined by the intersection of the 
two curves. This is similar to the model applied in Buzoianu, Brockwell, & Seppi (2005), except 
in our case supply curves are constructed bottom-up from historical generator-level offers data, 
obtained from the MISO. Demand curves are assumed inelastic and based off hourly historic 
MISO demand data. We use 2015 market and DR data because it is the most recent year in 
which demand response data is available from the EIA at the time of publication. Additionally, 
real-time instead of day-ahead MISO market data are used, since the real-time market is a ‘true-
up’ market to balance unexpected deviations from day-ahead predictions, and thus more 
accurately reflects system conditions in real-time. Furthermore, most demand response in 
energy markets have not historically participated in the day-ahead market (Faruqui et al. 2009). 
Because the supply curves are discontinuous, we use an iterative solver-based approach to 
identify the intersection of supply and demand for each hour and market region. We model 
supply and demand for every hour of 2015 for the three MISO operations regions: North, 
Central, and South. Figure 4 is a map of the MISO market broken out by region (MISO, 2014). 
Our analytical approach quantifies price and quantity effects from dispatching DR and compares 
them to the baseline outcomes that occurred without DR. 

 

 
Figure 4 MISO market region with operations zones. 
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The model scenarios dispatch DR based on resource quantities and marginal cost estimates for 
resources DR located in the Midcontinent region but are almost never dispatched and do not 
participate in the market.5 Since the majority of DR resources in MISO’s Resource Adequacy 
Construct are registered under a product called ‘Load Modifying Resources’ (LMR), our model 
dispatch constraints are based on MISO’s LMR operating agreement (Potomac Economics, 
2017). LMR contracts require DR resources to be available for up to 5 deployments during the 
summer season for a minimum of 4 hours per deployment (MISO, 2017). Because many DR 
programs are available for dispatch more than 5 deployments per year and not necessarily 
limited to summer months6, we run additional scenarios that dispatch DR up to 20 times per 
year and outside of summer months when it is economic to do so.  

Since the number of DR deployments per year is constrained, DR should be deployed on days 
with both high prices and energy demand in order to maximize value. To determine the highest 
value days in 2015 we use a similar approach to The Brattle Group (2007) and base highest 
value days on the price-load product based on 4-hour dispatch blocks. Specifically, we multiply 
the average price and demand for each hour and calculate 4-hour moving averages. We then 
select the days that have the highest price-load product average to determine the most valuable 
days to dispatch DR, eliminating duplicate days. Because we model scenarios that limit DR 
dispatch to summer months as well as scenarios that model DR dispatch year-round, we 
compile two lists of 20 highest-value days from 2015. The first lists the 20 highest-value days 
over the entire year, and the second lists the highest-value days that occurred during summer 
months (June 01 – August 31), in Table 2. 

 

                                                
5 Except for the few events described in section 2.1.  

6 Cappers et al. (2013) notes that incentive-based DR programs have historically been designed for 
between 8-20 deployments per year. 



  

   11 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Table 2 The 20 days with the highest price-load product in MISO for, 1) the entire year (left), and 2) summer months 
(right) in 2015. Price and load are historic averages from the four-hour block ending in the hour listed as HE. 

 

3.2. Costs 

One key input for the supply-demand model is resource-level energy offers, measured in dollars 
per megawatt-hour ($/MWh). These are the supply offers from which the market operator 
schedules least cost dispatch. DR energy offers are estimated to be a function of the cost 
incurred by the underlying electricity customers for service interruption, which varies by 
customer.7  To estimate DR energy offers, we use utility-reported data from the EIA on DR 
customer incentive costs. Customer incentive costs are defined as the total financial value 
provided to a customer for their program participation, including direct payments, lowered tariff 
rates, in-kind services, or other benefits (U.S. EIA, 2014). Customers that have a high cost of 
electricity interruption will demand high incentive payments, and have a lower likelihood of 
deployment (Albadi & El-Saadany, 2008).  

                                                
7 For example, a hospital may have a greater cost of electricity loss than an office building. 

Date HE 
Price 
($/MWh) 

Load 
(MWh)  Date HE 

Price 
($/MWh) 

Load 
(MWh) 

19-Feb 13 176.07 96,811   12-Aug 18 90.27 105,797  
6-Mar 9 122.66 92,912   12-Jul 20 88.25 94,543  
7-Mar 1 122.14 90,434   24-Jul 18 60.61 112,536  
8-Jan 9 108.71 100,548   14-Aug 16 58.65 111,215  
9-Jan 1 107.33 99,115   2-Aug 18 59.79 107,262  
12-Aug 18 90.27 105,797   25-Jul 19 59.44 107,323  
12-Jul 20 88.25 94,543   14-Jul 16 54.10 110,594  
20-Feb 13 84.56 94,903   23-Jul 17 53.77 109,513  
17-Sep 17 77.17 99,415   17-Jul 14 54.58 107,005  
16-Feb 13 77.47 90,185   10-Jun 18 53.89 106,229  
24-Jul 18 60.61 112,536   21-Jul 16 54.28 104,600  
14-Aug 16 58.65 111,215   13-Jul 19 48.01 113,213  
2-Aug 18 59.79 107,262   21-Jun 18 58.20 93,240  
8-Sep 16 60.07 106,337   16-Jul 16 53.57 101,276  
25-Jul 19 59.44 107,323   28-Jul 17 45.62 118,841  
21-Feb 1 68.33 90,193   7-Aug 18 50.10 104,998  

18-Feb 23 62.33 96,568   13-Aug 17 47.94 108,477  
14-Jul 16 54.10 110,594   31-Aug 17 46.20 106,894  
4-Mar 23 66.82 89,483   11-Aug 17 46.44 105,886  
23-Jul 17 53.77 109,513   16-Jun 16 50.34 97,162  



  

   12 

 

A demand response resource will offer into the energy market until the price drops below its 
marginal cost. However, the resource will not be profitable over its lifetime and investment 
would not occur if it is compensated solely at marginal cost. Additional compensation is required 
to cover fixed costs that are not included in reported customer payments, including upfront 
capital, fixed operations and maintenance, and marketing expenditures. DR investors can 
recover these costs a couple ways. First, the resource earns a margin when the market price is 
above its marginal cost, so lower marginal cost resources will be more profitable in the energy 
market. Second, most wholesale electricity markets including MISO have capacity markets 
designed to compensate higher-cost resources needed during peak demand periods but 
otherwise may not be profitable in the energy market. Third, in regulated states, including the 
majority of states in the MISO region, retail rates are fixed so that the resource earns a rate of 
return guaranteed to cover lifetime costs plus profit. Since all three of these mechanisms exist in 
the MISO market, we assume DR will not seek to recover other fixed costs beyond customer 
incentive payments through their energy offers. 

The DR data from EIA Form 861 includes utility-reported values of lifetime customer incentives 
including expected future incentive payments, by DR program. Resource offers in the energy 
market are reported in dollars per megawatt ($/MWh). To derive energy offer estimates in 
$/MWh we divide average lifetime customer incentive costs (measured as lifetime costs divided 
by potential peak reduction in megawatts (MW)) by the estimated number of hours the DR 
program will be deployed over its lifetime. This necessitates an assumption on program lifetime. 
Recent demand response cost-benefit assessments have assumed program lifetimes of 25 
years (Eldali et al. 2016). Furthermore, Xcel Energy’s Savers Switch program, one of the largest 
residential demand response programs in the MISO region, has been operating since 1990, 27 
years at the time of publication (The Cadmus Group, Inc, 2009). We assume program lifetimes 
of 25 years. Combining this with our assumptions of deployments per year (5 in the base case, 
more deployments in other scenarios), we can calculate energy offer (EO) estimates by DR 
program according to the following equation: 

 EO ($/MWh)

=  
Lifetime customer incentive payments ($)

Program lifetime (years)  ×  hours deployed per year ×  capacity (MW)
 

(1) 

For example, if a 10MW DR program reports $250,000 in lifetime customer incentive payments, 
its energy offer can be estimated as: 

$250,000
25 years ×  5 days ×  4 hours/day × 10MW

= $50/MWh 
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We cap energy offer estimates at $2,000/MWh, the recently proposed price cap that MISO filed 
at FERC on May 8, 2017 in compliance with FERC Order 8318 (U.S. FERC, 2017). Any 
program offering at this cap is essentially priced out of the market and will not be deployed in 
any of the scenarios we model.  

For a few programs that are missing cost data in EIA’s dataset, we assume their energy offers 
are equal to the median of DR programs in MISO. We use the median because a few DR 
programs have very large reported costs, which inflates the sample average and makes the 
median a better measurement of central tendency. For instance, 97% of the 4,355 MW of DR in 
MISO have an energy offer estimate less than $200/MWh, but less than 1% (about 30 MW) 
have estimated energy offers capped at $2,000/MWh. These outliers have a disproportionate 
effect on the sample average. Figure 5 shows the distribution of MISO’s DR resources by 
energy offer estimate. The 3% of MISO DR programs with estimates above $200/MWh are 
omitted from the figure. As shown in the chart, about one third of MISO DR resources have low 
energy offer estimates between $0/MWh and $10/MWh. The remaining distribution is spread 
about evenly between $10/MWh and $200/MWh. 

These energy offer estimates represent a modeling improvement over standard practice. For 
example, EIA’s National Energy Modeling System (NEMS), the computable general equilibrium 
model used to generate the EIA Annual Energy Outlook, assumes marginal operating costs and 
energy offers of only $0.21/MWh for all U.S. regions and DR program types (U.S. EIA, 2017; 
Smith & Brown, 2015). Our method does a better job capturing the heterogeneity in costs 
across DR programs. This also shows that assumptions made in NEMS likely underestimate 
true DR costs and energy offers. While the MISO market does not see much in the way of 
energy offers from DR resources in the region, its neighbor to the East, PJM, does. In 2015, 
economic demand response resources in the PJM market provided over 121,000 MWhs of 
supply (McAnany, 2016). To validate the offer parameters estimated for DR in the MISO 
footprint, we benchmark our estimates against those resources offering into the PJM energy 
market. PJM’s Demand Response Operations Markets Activity Report details the supply offer 
curve for the aggregate DR resources in the PJM market. This data shows bids between 
$0/MWh and approximately $1,850/MWh. While this range of offers aligns well with our 
estimation, the PJM supply curve is steeper, with a few hundred MW’s of DR offering at $0 and 
quickly rising to $400/MWh, $1000/MWh and beyond (McAnany, 2016). Future work will include 
developing sensitivities to understand how differences in DR supply offers could drive changes 
in deployment and overall market effects in the MISO footprint.  

                                                
8FERC rejected MISO’s compliance filing on Nov 9, 2017, but approved a waiver on January 5, 2018 to 
lift MISO’s current $1000/MW price cap through April 30, 2018 while MISO continues to develop a longer-
term solution in compliance with FERC Order 831, which requires ISO/RTOs to set a hard cap at 
$2000/MW for the purposes of setting LMPs in wholesale energy markets. MISO is expected to submit a 
new compliance filing in early 2018. 
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Figure 5 DR resource by estimated energy offer, MISO region. 

 

3.3. Baseline model 

Hourly supply curves were constructed using historic offers data from MISO’s data library for 
each of the days modeled. This dataset includes a list of price-quantity pairs for every generator 
offering into the MISO, from which we construct hourly supply curves by region. We separate 
the model into MISO’s three operations regions: North, Central and South. Inelastic demand is 
included, and the intersection of supply and demand curves determines the market clearing 
price and quantity prediction for each hour and region. As an example, Figure 6 plots the supply 
and demand curves for the North region on July 12, 2015 at 4pm. 
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Figure 6 MISO system supply curve plus demand (vertical line) for the North region on July 12, 2015 at 4pm. 

Next, DR resources are added to the baseline model, assigning each DR resource to the 
corresponding region depending on that resource’s reported state, according to the following 
list9: 

• North region: Iowa, Minnesota, Montana, North Dakota, Nebraska, South Dakota. 
• Central region: Illinois Indiana, Kentucky, Michigan, Missouri, Wisconsin, Wyoming. 
• South region: Arkansas, Louisiana, Mississippi, Texas. 

The baseline supply-demand model predicts hourly prices based on historic data. The model 
abstracts from other real-world factors that also determine price, including transmission 
constraints, net imports, unforced outages, and forecast error. Sometimes these other factors 
cause large price spikes that our model does not predict. To understand how often actual prices 
deviate from our model’s predictions we compare the model-predicted prices to actual historic 
prices. North region predicted prices are compared to actual prices at the Minnesota hub, 
Central region predicted prices are compared to the Indiana hub, and South region predicted 
prices are compared to the Louisiana hub. Figure 7 shows the distribution of actual hourly prices 
from the Louisiana hub for the 20 highest value summer days in 2015. Corresponding plots for 
the Indiana and Louisiana price hubs, as well as plots by hub for the 20 highest value days for 
the entire year, are provided in Appendix 2. 

                                                
9 Two states on this list (Nebraska and Wyoming) are not in the MISO market. This is because the owner 
of the DR resource is headquartered in the non-MISO state while having operations (including DR) in 
MISO. 
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Figure 7 Hourly prices during 20 highest value summer days in 2015, Louisiana hub. 

Figure 8 shows the average predicted prices by hour versus average actual prices for the 20 
highest value days in the south region during the summer of 2015. These hourly averages are 
smoothed10 and weighted by daily demand. The model consistently under predicts prices during 
afternoon peak hours, a pattern that is more pronounced in the North and Central regions, 
shown in Appendix 3. High demand periods are when exogenous factors including transmission 
constraints and forecast error are most pronounced and when we expect the model to under-
predict price. We use historical price data to adjust the baseline model to better reflect the 
actual price levels throughout the day. The difference between the average actual price and the 
average predicted price for each region are used as hourly adjustment factors to calibrate the 
model predictions. This adjusts predictions upward during hours in which the model 
systematically under-predicts prices, and downward during hours that systematically over-
predict prices. The adjustment factors corresponding to Figure 8 are provided in Table 3. The 
rest of the adjustment factors are provided in Appendix 4.  

                                                
10 We apply exponential smoothing to the actual hourly price series to minimize noise from random 
fluctuations across hours. Hourly smoothing doesn’t materially affect modeling results since DR events 
are modeled in 4-hour blocks. 
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Figure 8 Average hourly prices predicted by model (solid line) versus actual prices (dashed line) during highest value 
summer days in 2015, south region. 

 

Most of our results, including consumer savings, emissions savings, and price changes, are 
calculated as differences between scenarios with and without DR in the supply curve, all else 
equal. Thus, our adjustments to absolute price levels will not directly impact these results. The 
adjustment factors allow for predicted market clearing prices that more closely match historical 
prices, and simulate levels of economic DR cleared using more realistic price levels. The North 
and Central regions have more excess supply than the South region. As a result, large price 
spikes are more likely to occur in the South region and are more likely to be caused by supply 
shortages than other factors, a result that occurs in our model and is explained further in section 
4.  
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Table 3 Hourly model price adjustment factors for the 20 highest-value summer days in 2015, south region. 

 

3.4. Load shifting 

Energy reductions that occur through DR dispatch consist of two factors: a reduction in 
electricity demand and a shift of electricity demand. Demand shifting involves moving electricity 
use to off-peak periods more valuable to the market, but doesn’t involve a net reduction in 
energy use over time. Smith & Brown (2015) find that on average, 16% of peak energy 
reduction from DR is shifted to off-peak periods. This value was derived from price-quantity 
elasticity estimates from a study that empirically measured the effects of a Duke Energy real-
time pricing program over 8 years (Taylor, Schwarz, & Cochell, 2005). Modeling in De Jongh, 
Hobbs, & Bellmans (2012) assumes DR energy shifting ranges from 8% to 16%. Furthermore, 
FERC’s Demand Response Impact and Value Estimation (DRIVE) model provides hourly 
impact profiles of DR programs. Examining the load shifting parameters in this model for 

Hour 
Actual 
Price 

Predicted 
Price 

Adjustment 
Factor 

0 24.18 26.50 -2.32 
1 23.51 26.17 -2.66 
2 22.26 25.71 -3.45 
3 21.21 25.36 -4.15 
4 20.84 25.06 -4.22 
5 21.35 25.02 -3.67 
6 21.92 25.19 -3.27 
7 23.00 25.47 -2.47 
8 25.17 25.99 -0.82 
9 27.32 26.58 0.74 
10 28.69 27.30 1.39 
11 31.06 28.06 2.99 
12 37.87 28.75 9.12 
13 43.37 29.77 13.60 
14 51.27 33.20 18.08 
15 65.37 50.33 15.04 
16 71.48 50.50 20.98 
17 58.82 50.08 8.74 
18 42.15 46.79 -4.64 
19 39.87 29.35 10.52 
20 36.64 28.82 7.83 
21 29.30 28.49 0.81 
22 27.19 28.08 -0.89 
23 25.74 27.51 -1.77 
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residential programs, commercial/industrial (C/I) interruptible tariffs, and other large C/I 
programs, yields a weighted average energy shift value of 12.1%. In contrast, the EIA NEMS 
assumes DR energy shifting of 96%, although this parameter does not appear to be supported 
by empirical experimental evidence (Smith & Brown, 2015). 

Drawing from this literature, our baseline scenario assumes 15% of DR energy reductions are 
shifted to off-peak hours. We also conduct sensitivity scenarios that assume 1) zero energy 
shifted to off-peak, and 2) 96% energy shifted to off-peak. We model DR reductions occurring 
during the last hour (HE) of the highest-value four-hour blocks as listed in Table 2, plus the 
three preceding hours. The energy rebound is then modeled during the four hours following the 
DR reduction. In the occasional situations where DR deployment occurs during the late evening 
(HE 19-23), we model the rebound during the hours preceding the event, assuming customers 
will anticipate the DR reduction. Since prices are similar on average before and after DR events, 
changing whether the energy shifting occurs before or after the DR event does not have a 
material impact on the aggregate market effects. 

3.5. Carbon emissions 

We estimate carbon dioxide (CO2) emissions effects for each model scenario. For confidentiality 
purposes, MISO’s generator offers data does not identify individual plants, so neither plant-level 
emissions nor fuel-type information is available. We approximate the carbon content of the 
marginal generation for each hour by using MISO’s real-time fuel on the margin data (MISO, 
2015). The data specifies the fuel of the marginal generator by region for every hour. We 
combine this with national averages of CO2 emissions rates per MWh by fuel type from the U.S. 
Department of Energy (U.S. DOE, 2016), provided in Table 4. Emissions rates for natural gas 
are reported separately for combined cycle turbines and combustion turbines. Since the fuel-
type data does not break out natural gas plants by combined cycle or combustion turbine, and 
since data on dispatch frequency by generator type in MISO is not available, the emissions 
factor used for natural gas is a simple average of the combined cycle and combustion turbine 
emissions rates. 

 

 

 

 

 

Table 4 U.S. average carbon dioxide emission rates by fuel type 

 

 

 

 

Fuel type 
Emission rate 
(kg CO2/MWh) 

Coal 960.6 
Petroleum 743.4 
Natural Gas 505.9 
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3.6. Scenarios 

We will calculate market savings, price effects, and emissions effects for several scenarios to 
understand how changes in several variables affect our results. The scenarios will vary the 
following parameters: 

a) When to deploy DR 

As discussed in section 3.1, LMR contracts only require DR to be available during the summer 
months (June 01 – August 31), however many DR resources in MISO can be deployed outside 
of the summer. We model one scenario with DR deployment occurring during the highest value 
hours in summer months, and anther with deployment during the highest value days from the 
entire year 

b) Frequency of deployment 

As discussed in section 3.1, MISO’s DR contracts only require DR to be deployed up to 5 times 
per year, but DR can be deployed more than 5 times per year. In general, incentive-based DR 
programs are designed for 8-20 deployments per year (Cappers et al, 2013). We will model DR 
deployment at 5 times per year, 10 times per year, and 20 times per year. Note that deploying a 
DR resource more often will lower its average energy offer value necessary to recover its 
lifetime costs, as shown in equation 1. As a result, increasing the frequency of DR dispatch will 
lower energy offer estimates, and more DR may clear at a given price. 

c) Amount of DR resources 

The DR dataset we obtained from EIA reports 4,355 MW of DR registered in the MISO region. 
In contrast, MISO’s resource auction results for the 2015-16 planning year indicate 5,745 MW of 
installed capacity (MISO, 2016). This disparity is likely due to non-utility DR owners registering 
with MISO, but not subject to EIA’s utility survey form. We model a baseline scenario with the 
4,355 MW of DR for which we have detailed cost data, and an expanded scenario with 5,745 
MW of DR. When scaling up DR to match the amount reported by MISO, we assign the DR to 
regions based on their relative regional shares as reported in the EIA data, displayed in Table 5, 
and assume energy offers for the expanded DR equal to the median values from the cost data. 

 

 

 

 

 

 

Table 5 DR resources by region as reported by EIA. 

 

 

Region DR (MW) Share 
Central 2074.0 0.48 
North 1791.3 0.41 
South 489.9 0.11 
Total 4355.2 1 
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d) Rebound effect 

As discussed in section 3.4, we will vary the rebound assumption from 0%, 15%, and 96% to 
analyze effects from a wide range of potential rebound scenarios. 

3.6.1 Scenario Summary 

In summary, the following lists how the four parameters that are varied to construct sensitivity 
scenarios: 

• When to deploy DR 
1. Summer 
2. Year-round 

• Frequency of deployment 
1. 5 deployments per year 
2. 10 deployments per year 
3. 20 deployments per year 

• Amount of DR resources 
1. Base - 4,355 MW 
2. Expanded - 5,745 MW 

• Rebound effect 
1. Low - 0% 
2. Base - 15% 
3. High - 96% 

We vary these parameters to produce 24 scenarios, the results of which are discussed next. 

4. Results 
4.1. Baseline scenario 

The parameter levels for the baseline scenario are listed below: 

• Summer-only deployment 
• 5 deployments per year 
• Base-level DR resources (4,355 MW) 
• Base-level rebound effect (15%). 

The results for the North and Central region are provided in Table 6. The South region is 
omitted from this table because of more extreme results and will be discussed separately. The 
results for the North and Central regions are more indicative of ‘typical’ peak operating 
conditions, while the South region results include an extreme price event. For example, the 
average adjusted predicted price during the peak hours in the baseline scenario for the North 
and Central regions was $43.57, and the maximum price observed was $62.56. The South 
region had similar predicted price levels except for one day where prices spiked above $100 for 
a few hours, at which point a small amount of cleared DR had a much larger effect on prices 
and consumer savings. Whereas DR in the North and Central regions combined is predicted to 
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produce just under $1.5 million in consumer savings, a much smaller amount of DR in the South 
region produced nearly $38 million in consumer savings from the single day with high prices.  

The South region outlier results are informative as to how a small amount of DR in a can 
generate exponentially higher consumer savings if it is deployed in a location where the market 
is clearing in a steep portion of the supply curve. While not typical, extreme price events do 
happen and contribute to a large share of the value case for DR in wholesale markets. For 
example, from 2015 through 2017, the years for which historical system price data is readily 
available online, there were 100 hours during which the average MISO system price exceeded 
$100/MWh. Of this 12 hours were above $200/MWh, of which 2 hours were above $300/MWh 
(MISO, 2015).   

In addition to price effects, we estimate CO2  emissions reductions in our baseline scenario 
attributable to the modeled DR dispatches as described in section 3.5. The CO2  emissions 
reductions reported in Table 6 represent roughly 0.3-0.5% of daily emissions.11 

 

 

 

 

Table 6 Baseline scenario results - North and Central regions. 

 

4.2. Alternative scenarios 

As discussed in section 3.6, we explore how changes to the parameter values impact results. 
The effects of parameter changes are summarized in Table 7. The values in this table represent 
average differences from the base scenario, all else equal. For example, the value in the first 
cell means that increasing from 5 to 10 DR deployments per year increases annual savings by 
$1,152,171 on average. The values in Table 7 are coefficient estimates calculated from 
regression models estimated using the model results across all scenarios. The column labels 
represent different dependent variables while the row labels are categorical explanatory 
variables. Regression coefficients on categorical explanatory variables are interpreted as 
deviations in averages from the reference category. Thus, each coefficient represents an 
average change from the base DR scenario.  

As reported in Table 7, increasing the frequency of deployments per year and expanding the 
amount of DR resources available for deployment increases annual savings, CO2 reductions, 
DR cleared, and price reductions. This is logical, as one would expect an increase in 

                                                
11 Average daily CO2 emissions for the MISO footprint are estimated based on data available from the 
U.S. Energy Information Administration on state-level, annual CO2 emissions scaled based on the share 
of installed generating capacity in each state participating in the MISO markets by fuel type.  

Region 

Annual 
consumer 
savings ($) 

Annual CO2 
reduction 
(kg) 

DR cleared - 
hourly average 
(MW) 

Price effect - 
hourly average 
($/MWh) 

North 489,101 7,486,727 789.5 -0.54 
Central 973,722 13,521,579 1,189.60 -0.43 
Total 1,462,823 21,008,306 1,979.1 -  
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deployment frequency or amount to increase the magnitude of market effects relative to the 
baseline scenario. Changing the rebound effect to zero also increases the savings, CO2 

reductions, and the price effect. This is because in the base case the 15% energy shift to off-
peak hours partially offsets the peak hour effects. Surprisingly, increasing the rebound effect to 
96% increases overall costs to consumers. This peculiarity occurs on some of the days in which 
DR is deployed, where the large increase in energy use off-peak increases prices on average 
by more than prices decreased during peak hours. This result occurs in the supply-demand 
model when the market equilibrium shifts occur at non-convexities of the hourly supply curves. 
Increasing the rebound effect to 96% also increases overall CO2 emissions, suggesting that on 
average in MISO off-peak generation has a higher emissions content than on-peak. We note 
again that a 96% rebound effect is used in some scenarios because it is the value used in EIA’s 
Energy Outlook modeling, although the value does not appear to be supported by empirical 
experimental evidence (Smith & Brown, 2015). Finally, the ‘annual deployments’ row indicates 
that allowing DR to dispatch during non-summer days when more cost savings opportunities are 
available will increase overall consumer savings. The model suggests less emissions reduction 
opportunity available during non-summer months.  

The absolute results for all 24 scenarios are provided in Appendix 5. These results show that 
consumer savings across model scenarios vary between $1.5 million to $8.0 million for the 
North and Central regions during typical peak operating conditions. 

  Annual 
Savings ($)  

Annual CO2 
reductions 
(kg) 

DR cleared - 
hourly average 
(MW) 

Price effect - 
hourly 
average 
($/MWh) 

 

 

 

 

 

 

 

 

 

Table 7 Average changes in outcomes by model parameter. 

 

4.3. Other studies 

Excluding outliers, the results of our modeling show average price reductions of 3% and 5% 
respectively, with a maximum of 9% occurring in MISO North. This is consistent with past 
analyses of the PJM market who showed that reducing approximately 1% of peak demand in 
the PJM market would result 5%-8% reduction in LMPs (The Brattle Group, 2007; Faruqui, 

10 deployments 1,152,171 13,225,381 340.8 -0.06 

20 deployments 3,766,338 13,438,871 669.9 -0.14 

Expanded amount 
(5,745 MW) 1,040,654 11,650,234 386.5 -0.25 

Zero rebound 476,192 6,292,555 0.0 -1.07 

High rebound 
(96%) -3,047,783 -33,979,794 0.0 0.82 

Annual 
deployments 1,518,328 -3,848,541 6.1 -0.46 
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Hledik, Newell, & Pfeifenberger, 2007). The Brattle Group’s analysis showed system-wide 
benefits of reduced LMPs to be between $65 and $203 million, while our analysis showed an 
estimated $1.5 to $18.5 million in benefits for customers in MISO North and Central. Our lower 
results are partly attributable to the rebound effects we included in our model that increased 
LMPs between 1% and 3% in some market intervals following DR deployments, putting 
downward pressure on the total net benefit estimate of deploying DR in the MISO market.  

There are a variety of value streams DR can offer which we do not attempt to quantify in our 
dynamic supply-demand framework. These include: 

• reduced generation reserve investment  
• improved operational efficiency of the transmission and distribution systems 
• integration of intermittent renewable generation 
• reduced wholesale market price volatility 
• more competitive power markets 
• insurance against extreme events 
• improved system reliability 
• improved customer service 

It is clear from the body of literature on the topic that the value that can be captured by 
deploying DR programs extends across the range of actors and processes within the electricity 
system. Furthermore, the magnitude of these value streams varies greatly across individual 
markets and regulatory environments, emphasizing the need for targeted, market-specific 
analysis to understand the effects of implementing DR within a given market context.  

5. Conclusions 
This study quantifies consumer savings and other market effects from increasing incentive-
based demand response (DR) dispatch in the Midcontinent ISO energy market. It is motivated 
by the fact that regulatory and market barriers in the Midcontinent region keep cost-effective DR 
out of the wholesale market, raising electricity prices. We develop a bottom-up, dynamic supply 
and demand model of the Midcontinent market that shows: 

1. DR dispatch can generate consumer savings ranging from 0.05% - 3% of the daily 
market value in MISO under typical peak operating conditions.  

2. Model results for the South region demonstrate that consumer savings and other market 
effects can exponentially increase when a small amount of DR is deployed during 
periods with very high prices.  

3. We estimate CO2 emissions reductions and price effects in addition to consumer savings 
for a range of scenarios that change DR deployment levels, frequencies, and energy 
rebound effects. Emissions reductions are modest but positive for most scenarios, and 
average price effects range from about -$0.50 to -$1.50 per megawatt-hour across most 
scenarios, except for the case with a high rebound effect.  

Our supply-demand framework quantifies market effects from modeling DR deployment as a 
shift in the hourly supply curve, and does not consider other market effects from DR dispatch, 
including reduced or deferred capital investments, reduced price volatility, improved system 
reliability, and more. 
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This study suggests that regulators, market operators, market participants, and other 
stakeholders should focus policy efforts to reduce regulatory and market rule barriers to DR 
deployment, particularly in locations that experience high price spikes. This will improve market 
efficiency and generate cost savings for electricity consumers. 
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Appendix 
1. Energy Information Administration (EIA) demand response data 

The DR data from the EIA is collected from EIA Form 861 detailed data files on DR programs. 
This dataset has annual DR data by utility. It includes potential peak demand savings (MW) and 
total customer incentive costs, among other variables. We use data from 2015, the most recent 
year available. This data does not contain resources from third party aggregators, so total 
resources are underreported for markets with aggregators. In order to measure DR by ISO we 
merge the utility-level data with an ISO variable from EIA 861’s Utility Dataset to assign each 
utility to an ISO.  

There are several utilities with DR that have operations listed in more than one ISO. Below is a 
list of each utilities that reported DR and operations in more than one ISO, and our assumptions 
regarding how we split their DR resource between ISOs. 

• Arkansas Electric Cooperative is a member of SPP and MISO and has 628MW of DRs 
40% of its customers are located in SPP (200,000 out of 500,000), so we assign 40% of 
its demand response resource to SPP and the remaining 60% to MISO.12 Note that 
splitting the resource this way produces fractions in the number of customers data fields. 
If and when we report the number of customers we will round to the nearest whole 
number. 

• Linde Energy Services manages over 500MW of industrial load across North America, 
and has demand response resources actively participating in PJM, NYISO, ISONE, and 
ERCOT.13 Since Linde has a relatively small amount of DR resource (29.5MW potential 
peak savings) and none of it will affect our modeling in MISO, we will assign all the DR 
to PJM, the biggest market (makes coding easier this way). 

• City of East Grand Forks. We could not find any online information about this municipal 
utility. EIA data says this utility has operations in SPP and MISO. Since their demand 
response program is relatively small (6.8MW potential peak savings) we will assign it all 
to MISO. 

• Energy Coop of New York has 2MW of DR, we assign this to NYISO.14 
• Kansas Gas and Electric is now doing business as Westar Energy, so we add their 

182.7MW to Westar’s data entry and as described below assign this DR to SPP. 

                                                
12 AEC’s 200,000 coop members in SPP found here: http://arkansaslivingmagazine.com/article/75-years-
of-relationship-powered-energy/ and the 500,000 total customers found here: https://www.aecc.com/  

13 https://www.ferc.gov/CalendarFiles/20080521081612-Stalica,%20Linde%20Energy%20Services.pdf  

14 http://ecamerica.org/demandresponse/index.html  

 

http://arkansaslivingmagazine.com/article/75-years-of-relationship-powered-energy/
http://arkansaslivingmagazine.com/article/75-years-of-relationship-powered-energy/
https://www.aecc.com/
https://www.ferc.gov/CalendarFiles/20080521081612-Stalica,%20Linde%20Energy%20Services.pdf
http://ecamerica.org/demandresponse/index.html
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• MidAmerican Energy Company has electric customers in IA, IL, and SD, and gas 
customers in NE.15 EIA data lists the company as having operations in ERCOT, PJM, 
and MISO, but we assign all the DR to MISO. 

• Midwest Energy Cooperative is listed as having operations in both MISO and PJM, with 
28MW of potential peak savings. We split their DR resource 50% in MISO and 50% in 
PJM.  

• City of Moorhead (MN) has 15 MW savings and is listed by EIA as having operations in 
SPP and MISO. Moorhead is located in Minnesota, so we assign this DR to MISO. 

• South Plains Electric Coop has 33 MW savings and is listed as having operations in SPP 
and ERCOT. The coop’s service territory is in northern Texas and appears to be mostly 
in ERCOT so we assign this DR to ERCOT. 

• Southwest Arkansas Electric Cooperative has 34.5MW savings and is listed as having 
operations in SPP and MISO. Their service territory is in western Arkansas and eastern 
Oklahoma, which is mostly SPP territory, so we assign their DR to SPP. 

• Westar Energy Inc has 62.3 MW DR and is listed as having operations in ERCOT, PJM, 
SPP, and MISO. However their service territory is mostly in SPP, so we assign this DR 
to SPP. 

• Wabash Valley Power Association’s service territory is mostly in MISO, so we assign 
their DR to MISO 

 

  

                                                
15 
https://www1.itron.com/newsAndEvents/Documents/iuw2013/analyticsapps_demand_response_program
s_cparker_jweir.pdf  

https://ebill.swrea.com/woViewer/mapviewer.html?config=Outage+Web+Map
https://www.westarenergy.com/service-territory-and-map
https://www.wvpa.com/who-we-are/fast-facts/
https://www1.itron.com/newsAndEvents/Documents/iuw2013/analyticsapps_demand_response_programs_cparker_jweir.pdf
https://www1.itron.com/newsAndEvents/Documents/iuw2013/analyticsapps_demand_response_programs_cparker_jweir.pdf
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2. Hourly distributions of historic MISO prices

 

Figure 9 Hourly prices during 20 highest value summer days in 2015, Indiana hub. 

 

Figure 10 Hourly prices during 20 highest value summer days in 2015, Minnesota hub. 
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Figure 11 Hourly prices during 20 highest value days in 2015, Indiana hub. 

 

Figure 12 Hourly prices during 20 highest value days in 2015, Minnesota hub. 
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Figure 13 Hourly prices during 20 highest value days in 2015, Louisiana hub. 
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3. Average hourly predicted prices versus average hourly actual prices

 

Figure 14 Average hourly prices predicted by model (solid line) versus actual prices (dashed line) during highest 
value summer days in 2015, central region. 

 

Figure 15 Average hourly prices predicted by model (solid line) versus actual prices (dashed line) during highest 
value summer days in 2015, north region. 
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Figure 16 Average hourly prices predicted by model (solid line) versus actual prices (dashed line) during highest 
value days in 2015, south region. 

 

Figure 17 Average hourly prices predicted by model (solid line) versus actual prices (dashed line) during highest 
value days in 2015, central region. 
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Figure 18 Average hourly prices predicted by model (solid line) versus actual prices (dashed line) during highest 
value days in 2015, north region. 
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4. Hourly model adjustment factors 

Hour Actual 
Price 

Predicted 
Price 

Adjustment 
Factor 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Table 8 Hourly model price adjustment factors for the 20 highest-value summer days in 2015, central region. 

  

0 21.02 23.54 -2.52 
1 20.37 23.33 -2.97 
2 19.01 22.98 -3.96 
3 18.01 22.76 -4.75 
4 18.34 22.80 -4.46 
5 19.71 23.08 -3.37 
6 20.70 23.49 -2.79 
7 22.42 24.02 -1.60 
8 26.16 24.59 1.57 
9 31.65 25.14 6.51 
10 33.49 25.69 7.81 
11 33.02 26.35 6.67 
12 38.59 27.12 11.46 
13 41.14 28.00 13.15 
14 43.30 28.81 14.49 
15 53.81 29.39 24.41 
16 59.96 29.65 30.31 
17 50.75 29.47 21.28 
18 38.70 28.76 9.94 
19 40.64 27.80 12.85 
20 39.36 27.20 12.16 
21 30.18 26.56 3.62 
22 25.82 25.57 0.25 
23 23.75 24.71 -0.96 
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Table 9 Hourly model price adjustment factors for the 20 highest-value summer days in 2015, north region. 

  

Hour 
Actual 
Price 

Predicted 
Price 

Adjustment 
Factor 

0 18.57 16.78 1.79 
1 17.80 16.32 1.48 
2 16.65 15.52 1.13 
3 15.77 15.04 0.73 
4 15.83 14.92 0.91 
5 16.92 15.34 1.57 
6 18.95 16.21 2.74 
7 21.25 17.25 4.00 
8 23.84 18.32 5.51 
9 29.42 19.09 10.33 
10 31.23 19.65 11.58 
11 31.11 20.23 10.88 
12 36.27 21.05 15.22 
13 38.70 21.89 16.81 
14 42.14 22.55 19.59 
15 50.82 23.00 27.82 
16 57.95 23.24 34.71 
17 52.33 23.23 29.10 
18 40.81 22.81 18.00 
19 41.44 22.02 19.43 
20 38.91 21.05 17.86 
21 30.42 20.30 10.12 
22 26.44 19.62 6.82 
23 23.09 18.63 4.46 
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Table 10 Hourly model price adjustment factors for the 20 highest-value days in 2015, south region. 

  

Hour 
Actual 
Price 

Predicted 
Price 

Adjustment 
Factor 

0 28.72 27.07 1.65 
1 26.68 26.96 -0.28 
2 24.28 26.76 -2.49 
3 23.49 26.63 -3.14 
4 24.03 26.51 -2.48 
5 24.04 26.56 -2.52 
6 28.75 26.89 1.86 
7 85.24 48.52 36.73 
8 113.73 69.17 44.56 
9 67.88 48.62 19.26 
10 37.75 28.60 9.15 
11 31.01 28.42 2.59 
12 33.76 28.67 5.09 
13 39.22 29.41 9.81 
14 50.17 32.89 17.28 
15 61.14 53.06 8.08 
16 68.25 52.88 15.37 
17 57.47 52.41 5.05 
18 37.80 49.29 -11.49 
19 39.94 29.13 10.81 
20 38.85 28.95 9.90 
21 30.82 28.77 2.04 
22 28.67 28.48 0.19 
23 25.97 27.95 -1.98 
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Table 11 Hourly model price adjustment factors for the 20 highest-value days in 2015, central region. 

  

Hour 
Actual 
Price 

Predicted 
Price 

Adjustment 
Factor 

0 35.25 26.45 8.80 
1 41.87 26.26 15.61 
2 41.70 25.89 15.81 
3 43.06 25.69 17.38 
4 40.84 25.76 15.08 
5 33.79 25.98 7.80 
6 39.00 27.33 11.68 
7 55.77 29.42 26.35 
8 59.13 30.60 28.54 
9 57.07 31.07 26.00 
10 66.86 32.12 34.75 
11 55.90 32.93 22.98 
12 57.02 32.90 24.12 
13 57.90 32.59 25.31 
14 48.54 32.06 16.49 
15 50.89 31.69 19.20 
16 53.84 31.47 22.37 
17 49.20 31.51 17.69 
18 40.10 32.00 8.10 
19 49.61 33.04 16.57 
20 50.72 33.24 17.48 
21 41.40 32.46 8.94 
22 40.27 30.60 9.67 
23 41.09 27.78 13.31 
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Table 12 Hourly model price adjustment factors for the 20 highest-value days in 2015, north region. 

 

Hour 
Actual 
Price 

Predicted 
Price 

Adjustment 
Factor 

0 22.74 18.77 3.97 
1 22.27 18.45 3.82 
2 21.42 17.85 3.56 
3 21.12 17.43 3.70 
4 20.56 17.31 3.25 
5 20.43 17.60 2.83 
6 21.92 18.28 3.64 
7 34.49 19.33 15.16 
8 40.54 20.53 20.01 
9 43.17 21.26 21.92 
10 49.91 21.36 28.56 
11 42.59 21.36 21.23 
12 43.57 21.62 21.94 
13 42.66 22.01 20.65 
14 38.51 22.26 16.25 
15 43.83 22.37 21.46 
16 48.35 22.50 25.85 
17 44.69 22.57 22.12 
18 37.06 22.62 14.43 
19 44.52 22.60 21.91 
20 43.27 22.10 21.17 
21 33.31 21.41 11.90 
22 31.12 20.75 10.37 
23 26.36 19.90 6.47 
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5. Full model results 

Summer-only deployments 

 

 

 

Annual consumer savings ($) Annual revenues to DR owners ($) Emissions savings (kg)           
15% rebound 15% rebound 15% rebound   

5 10 20 5 10 20 5 10 20
Base - 4,355 MW Base - 4,355 MW Base - 4,355 MW       
Central 973,722       2,330,053    5,555,080    Central 1,175,869 2,477,666 6,939,819    Central 13,521,579 28,869,236 83,289,036    
North 489,101       1,342,508    2,750,967    North 774,856     2,034,448 4,376,784    North 7,486,727    21,292,098 47,067,766    
South 37,696,085 42,848,434 45,741,173 South 18,267       72,006       1,717,190    South 72,520          521,921       17,928,618    
Total 39,158,909 46,520,996 54,047,220 Total 1,968,991 4,584,119 13,033,793 Total 21,080,826 50,683,255 148,285,421 

Expanded - 5,745 MW Expanded - 5,745 MW Expanded - 5,745 MW       
Central 973,722       3,175,765    7,227,287    Central 1,175,869 3,731,239 9,378,654    Central 13,521,579 43,918,720 113,796,391   
North 489,101       1,967,259    3,876,830    North 774,856     2,761,840 6,332,985    North 7,486,727    28,927,374 69,460,018    
South 40,223,114 43,235,898 46,492,598 South 57,134       327,629     2,246,911    South 274,563       3,505,109    23,649,870    
Total 41,685,937 48,378,922 57,596,715 Total 2,007,858 6,820,708 17,958,550 Total 21,282,869 76,351,202 206,906,278 

                   
               

     

     

Deployments Deployments Deployments

          DR cleared - hourly average (MW) Price effect - hourly average ($/MWh)
   15% rebound 15% rebound

5 10 20 5 10 20
         Base - 4,355 MW Base - 4,355 MW

                           Central 1,189.6 1,270.6 1,797.4 Central -0.43 -0.51 -0.61
                                  North 789.5 1,075.6 1,172.1 North -0.54 -0.74 -0.76
                                          South 9.0 65.5 489.9 South -32.33 -18.38 -9.79
         Total 1,988.1 2,411.7 3,459.3 Total -33.29 -19.63 -11.16

         Expanded - 5,745 MW Expanded - 5,745 MW
                           Central 1,189.6 1,925.0 2,436.0 Central -0.43 -0.70 -0.79

                                  North 789.5 1,531.6 1,722.3 North -0.54 -1.08 -1.07
                                  South 40.2 184.2 646.2 South -34.51 -18.53 -9.95
         Total 2,019.3 3,640.8 4,804.5 Total -35.48 -20.31 -11.81

                   
               

     

     

Deployments Deployments
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Annual consumer savings ($) Annual revenues to DR owners ($) Emissions savings (kg)          
Base - 4,355 MW Base - 4,355 MW Base - 4,355 MW       

5 10 20 5 10 20 5 10 20
0% Rebound 0% Rebound 0% Rebound   
Central 1,093,789 2,575,327 6,204,189 Central 1,175,869 2,477,666 6,939,819 Central 16,323,740 34,732,960 100,135,234
North 545,854 1,585,920 3,188,326 North 774,856 2,034,448 4,376,784 North 8,738,208 25,214,639 56,344,532
South 37,696,085 42,891,738 45,936,197 South 18,267 72,006 1,717,190 South 90,806 779,685 21,500,512
Total 39,335,728 47,052,985 55,328,713 Total 1,968,991 4,584,119 13,033,793 Total 25,152,754 60,727,284 177,980,278

96% Rebound 96% Rebound 96% Rebound   
Central 243,534 911,616 1,485,678 Central 1,175,869 2,477,666 6,939,819 Central -1,610,091 -2,794,871 -7,680,434
North 4,926 -201,570 -265,253 North 774,856 2,034,448 4,376,784 North 728,731 110,375 -3,026,766
South 37,652,812 42,655,077 44,342,994 South 18,267 72,006 1,717,190 South -26,222 -870,004 -1,359,607
Total 37,901,272 43,365,122 45,563,418 Total 1,968,991 4,584,119 13,033,793 Total -907,582 -3,554,501 -12,066,807

Deployments Deployments Deployments

                    
     

               
                           
                                  
                                          
         

               
                             

                                  
                                  
         

          DR cleared - hourly average (MW) Price effect - average ($/MWh)
         Base - 4,355 MW Base - 4,355 MW

5 10 20 5 10 20
   0% Rebound 0% Rebound

Central 1,189.6 1,270.6 1,797.4 Central -0.98 -1.14 -1.37
North 789.5 1,075.6 1,172.1 North -1.20 -1.74 -1.77
South 9.0 65.5 489.9 South -64.65 -36.79 -19.66
Total 1,988.1 2,411.7 3,459.3 Total -66.83 -39.67 -22.79

   96% Rebound 96% Rebound
Central 1,189.6 1,270.6 1,797.4 Central -0.09 -0.18 -0.15
North 789.5 1,075.6 1,172.1 North -0.01 0.09 0.06
South 9.0 65.5 489.9 South -32.29 -18.29 -9.49
Total 1,988.1 2,411.7 3,459.3 Total -32.38 -18.39 -9.58

Deployments Deployments
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Annual deployments 

 

 

Annual consumer savings ($) Annual revenues to DR owners ($) Emissions savings (kg)        
15% rebound 15% rebound 15% rebound   

5 10 20 5 10 20 5 10 20
Base - 4,355 MW Base - 4,355 MW Base - 4,355 MW       
Central 3,673,218    5,682,841    11,801,541        Central 1,339,379 2,851,780 7,319,367    Central 9,114,942    24,562,707 73,983,719    
North 256,493       817,209       2,291,913          North 494,201     1,642,440 3,602,602    North 6,826,166    19,015,732 42,916,813    
South 31,352,662 51,094,946 36,259,856        South 147,142     180,905     1,544,368    South 304,940       715,998       18,840,506    
Total 35,282,372 57,594,995 50,353,310        Total 1,980,722 4,675,124 12,466,337 Total 16,246,049 44,294,437 135,741,039 

Expanded - 5,745 MW Expanded - 5,745 MW Expanded - 5,745 MW       
Central 4,676,103    7,953,779    15,382,026        Central 1,501,635 4,108,682 9,701,883    Central 10,012,708 36,934,009 100,581,518   
North 256,493       1,180,171    3,293,957          North 494,201     2,146,170 5,171,668    North 6,826,166    23,153,283 63,130,841    
South 32,967,617 36,378,731 38,787,633        South 113,517     400,949     1,974,173    South 294,488       3,795,686    24,833,212    
Total 37,900,213 45,512,681 57,463,615        Total 2,109,353 6,655,802 16,847,724 Total 17,133,363 63,882,978 188,545,571 

                 
               

     

     

Deployments Deployments Deployments

          DR cleared - hourly average (MW) Price effect ($/MWh)
   15% rebound 15% rebound

5 10 20 5 10 20
         Base - 4,355 MW Base - 4,355 MW

                               Central 1,182.2 1,323.2 1,849.4 Central -1.76 -1.36 -1.40
                                           North 719.4 1,073.5 1,174.0 North -0.34 -0.51 -0.67
                                          South 98.0 68.3 489.9 South -29.03 -22.97 -8.33
                Total 1,999.6 2,464.9 3,513.3 Total -31.13 -24.83 -10.40

         Expanded - 5,745 MW Expanded - 5,745 MW
                            Central 1,303.5 1,939.7 2,497.3 Central -2.23 -1.90 -1.82

                                        North 719.4 1,472.8 1,728.2 North -0.34 -0.73 -0.97
                                       South 115.6 224.6 646.2 South -30.52 -16.75 -8.92
                Total 2,138.5 3,637.1 4,871.7 Total -33.09 -19.38 -11.70

                 
               

     

     

Deployments Deployments
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Annual consumer savings ($) Annual revenues to DR owners ($) Emissions savings (kg)        
Base - 4,355 MW Base - 4,355 MW Base - 4,355 MW       

5 10 20 5 10 20 5 10 20
0% Rebound 0% Rebound 0% Rebound   
Central 4,297,275 6,612,035 13,552,344 Central 1,339,379 2,851,780 7,319,367 Central 11,077,922 29,632,772 88,916,035
North 343,969 1,019,219 2,660,699 North 494,201 1,642,440 3,602,602 North 8,088,108 22,900,545 51,352,482
South 31,363,798 51,112,452 53,385,930 South 147,142 180,905 1,544,368 South 460,905 941,898 22,373,111
Total 36,005,041 58,743,705 69,598,973 Total 1,980,722 4,675,124 12,466,337 Total 19,626,934 53,475,214 162,641,628

96% Rebound 96% Rebound 96% Rebound   
Central 236,145 182,864 -168,223 Central 1,339,379 2,851,780 7,319,367 Central -1,485,150 -2,815,641 -6,650,787
North -289,711 -436,531 -312,229 North 494,201 1,642,440 3,602,602 North 11,684 -1,962,259 -2,635,796
South 31,334,584 34,089,163 35,351,179 South 147,142 180,905 1,544,368 South -537,268 -503,859 -235,557
Total 31,281,018 33,835,496 34,870,727 Total 1,980,722 4,675,124 12,466,337 Total -2,010,734 -5,281,760 -9,522,140

Deployments Deployments Deployments

                 
     

               
                               
                                           
                                          
                

               
                              

                                        
                                       
                

          DR cleared - hourly average (MW) Price effect ($/MWh)
         Base - 4,355 MW Base - 4,355 MW

5 10 20 5 10 20
   0% Rebound 0% Rebound

Central 1182.2 1323.16 1849.39 Central -4.13 -3.17 -3.22
North 719.42 1073.46 1173.96 North -0.90 -1.26 -1.57
South 97.98 68.3 489.9 South -58.08 -45.96 -23.99
Total 1999.6 2464.92 3513.25 Total -63.10 -50.39 -28.78

   96% Rebound 96% Rebound
Central 1182.2 1323.16 1849.39 Central -0.09 -0.03 0.03
North 719.42 1073.46 1173.96 North 0.31 0.23 0.07
South 97.98 68.3 489.9 South -29.01 -15.69 -8.15
Total 1999.6 2464.92 3513.25 Total -28.79 -15.49 -8.05

Deployments Deployments
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